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Abstract 
Unconventional energy resources, including coal beds, tight gas sands, and shales, have 
become an ever-increasing factor in the North American gas supply. In these formations, 
the basic transport properties of the fluids change as they typically travel through sub 
100-nm pores, which falls into the field of nanofluidics. As production from shales 
became economically feasible, this field gained more interest in petroleum engineering.   
 
The purpose of the current study is to determine the effective gas viscosity of shale based 
on pore scale simulation. We consider methane (CH4), the main constituent of natural 
gas, as the only component of fluid system. We use an acyclic pore model to characterize 
the pore structure of a shale. The acyclic model represents the effective connectivity of 
pore space because it can capture drainage behavior from mercury injection 
measurements. We calculate the effective gas viscosity of the shale at different pore 
pressures, and present the results with respect to the nominal value, under unconfined 
conditions. Our analysis indicates that the reported permeability from pressure-driven 
flow measurement has to be considered an effective value, if nominal values of viscosity 
and density are used for interpretation. That is, we have to modify viscosity and 
permeability simultaneously in our reservoir model.  The current study has a major impact 
on reservoir characterization based on standard lab measurements in shales. 
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Chapter 1: Introduction 
1.1. Problem Statement 
Production in shale formations has been a significant factor in petroleum industry. In 
2015, the monthly Energy Review from U.S. Energy Information Administration (EIA) 
evaluated the natural gas shale potential to fall between 500 and 700 Tcf. Annual Energy 
Outlook 2016 from EIA expected the total share of shale gas and tight oil plays to grow 
as much as 69% in 2040. The success of Barnett shale has further enabled the 
development of many other potential plays such as Woodford and Marcellus shale 
(Cipolla et al., 2010).  
 
Different from conventional formations, unconventional resources are organic-rich 
formations and consist of both the source rock and the reservoir. Hydrocarbons in shale 
are stored in extremely tiny pore space, typically from 2 nm to 100 nm (Eijkel and Berg, 
2005; Sparreboom et al., 2009; Loucks et al., 2009; Chalmer et al., 2012; Kovscek et al., 
2013; Milliken et al., 2013), therefore they are intrinsically limited in natural permeability 
(Cramer, 2008). Nevertheless, hydrocarbon production from shales formations was 
economically feasible because of developments in hydraulic fracturing. 
 
Whereas petrophysical measurements in shales are uncertain and time-consuming in 
general, pore-scale modeling becomes an important tool to obtain different transport 
properties, such as viscosity. Although developments in nanofluidics equip researchers 
with better understanding of transportation in porous media whose sizes are within the 
nano- range, the problem is the effective viscosity shale gas is not available directly from 
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lab measurements and existing models in nanofluidics. Furthermore, different from 
theoretical conduits in nanofluidic devices, natural occurring porous media have more 
complicated pore structure and topology as they have been modified by different 
geological phenomena. Therefore, to practically apply knowledge of nanofluidics to 
porous media such as shales, we must use appropriate pore models to account for the 




The present study adopts acyclic pore models as a means to characterize pore structure in 
shale formations. To further study the effective viscosity in shale, the main objectives are 
as follows: 
- To review viscosity models for gas flow inside a single conduit to determine its 
value which is relevant to shale formations. 
- To calculate the effective viscosity of a shale formation whose pore space is 
represented by the acyclic pore model. 
- To interpret the presented results can help us in order to build a more realistic 






1.3. Hypothesis  
I hypothesize that the effective viscosity is close to the nominal value if we account for 
the pore structure and pore connectivity in shale formation. To test these hypotheses, we 
will compare the predicted effective viscosity based on the acyclic pore model with the 
nominal value.  
 
The acyclic pore model accounts for the effective connectivity of the porous space in 
shale formation. The model is representative of the pore structure at the core scale as it 
can capture its permeability and drainage behavior of mercury injection capillary pressure 
measurement.  
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Chapter 2: Literature Review 
2.1. Nanofluidics 
Nanofluidics refers to the study of fluid flow behavior in channels of nanofluidic devices 
whose characteristic sizes lie within the sub 100-nm range. Therefore, this field is also 
relevant to hydrocarbon transport in the matrix of shale formation because of its 
characteristic pore-throat size (Javadpour et al., 2007). The fluid behavior in nano-scale 
media differs significantly from macroscale ones, therefore advanced knowledge in 
nanofluidics is crucial to produce economically from unconventional formations (Singh 
and Singh, 2011).  
 
In nano-scale system, the distance between molecules is comparable to the local 
characteristic length of porous media at which the relevant fluids’ properties are 
evaluated. Collisions between fluid’s molecules are reduced whereas interaction between 
molecules and the wall increases significantly. Consequently, models of fluid flow based 
on continuum theory is no longer valid in nano-scale system. When fluids are confined 
in nano-size conduits, the relevant transport properties, such as viscosity and density, 
deviate from those reported at ambient conditions.  
 
 
2.2. Pore scale modeling for rock formations 
To study macro-scale behavior in shales, researchers attempted to analyze the transport 
properties based on different pore-scale models. These models can effectively represent 
the micro-scale system, and from that, macro-scale behavior can be upscaled accordingly 
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(Blunt, 2001; Frette et al., 2009; Bandara et al., 2011). Numerous studies in the past 
allowed us to model the density variation inside a single pore and how hydrocarbon could 
form an adsorbed layer (Ambrose et al., 2012; Didar and Akkutlu, 2013; Mosher et al., 
2013; Jadoon et al., 2016). Recently, Kazemi and Takbiri-Borujeni (2016) accounted for 
these phenomena by simulating gas displacement inside a single conduit. Although these 
studies allow us to have a better understanding of mass transport mechanisms in shales, 
it remains challenged to relate them to the effective transport properties at the core scale.  
 
To bridge the transport properties at the pore scale to those at the large scale, we must 
build a representative model for the pore space at the core scale. Pore structure modeling 
is a theoretical approach to analyze pore structure and to capture characteristics of its 
topology at pore-scale (Bryant et al., 1993; Mousavi and Bryant, 2012). In general, a 
natural-occurring formation contains of solid grains and the empty space in between, 
called void spaces. The pore space can further be categorized into 2 different groups based 
on its characteristic length: pore-throats size and pore-body size. The former refers to the 
narrowest region of the pore space where different neighboring pores connect, whereas 
the latter refers to the wider region of the pore.  
 
Among the two types of pore spaces, pore-throats dominate the transport properties of 
fluids; the smaller pore-throat size leads to fundamental changes in transport properties 
at the pore scale, such as density and viscosity (Ambrose et al. 2010). Pore-throats also 
have an impact on the flow conductance, which in turn alters the permeability (Javadour 
et al. 2007; Sakhaee-Pour and Bryant, 2012; Civan and Devegowda, 2015). 
6 
 
   
2.2.1. Existing models 
In the past, researchers proposed a wide variety of theoretical pore models to capture the 
effective connectivity of the pore space at the core scale (Washburn, 1921; Fatt, 1956; 
Mellow, 1989; Sakhaee-Pour and Bryant, 2014; Sakhaee-Pour and Bryant, 2015). These 
models include the bundle-of-tubes, regular lattice, sphere packing, and acyclic pore 
model. The core scale is relevant to the size of a typical core, which is usually on the 
order of few centimeters.  
 
When core measurements are limited, alternative approaches have been derived to 
calculate different transport properties. Recent studies incorporating production logs have 
successfully coupled a borehole flow model to determine the relative permeability of a 
formation (Frooqnia et al., 2011; Frooqnia, 2014). The model allowed us to investigate 
effective transports properties, which are not possible to measure direct in the lab, at a 
large scale. Other studies accounted for the pore structure effect to determine the transport 
properties of a shale (Yu et al., 2015; Ju and Wu, 2016; Ganjdanesh et al., 2016), which 
can be significantly different from those of highly-permeable formations.  
 
2.2.1.1. Bundle-of-tubes 
The first and simplest pore model is the bundle-of-tubes model (Purcell 1949). To relate 
the mercury injection measurement to permeability, this model simplified the 
characteristic void spaces in real-scale porous media as various parallel tube sizes, as 
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shown in Fig. 1. The model hypothesized that these parallel tubes can capture the 
macroscopic transport properties through porous media.  
 
Figure 1― A simple bundle-of-tubes model used to capture the pore structure of 
rock formation at core scale. The tubes represent the void space and are entailed 





At each increasing capillary pressure step, intrusion took place at a characteristic tube 
size, and Young-Laplace equation governed the relationship between tube sizes and 
capillary pressure. Although the model could not capture any natural occurring porous 
media nor the real-scale connectivity of pore space, it pioneered the technique of pore-





2.2.1.2. Regular lattice 
To overcome the drawback of bundle of tubes, Fatt (1956) introduced the interconnected 
tubes model, in which the pore spaces were interconnected in a regular lattice manner 
(Fig. 2). The model has been successfully used to capture the fluid transportation 
phenomena in conventional rock and ever since a corner stone in modeling. The two-
dimensional network of tubes has a random distribution of pore-sizes, and the pore-size 
distribution can be derived from mercury intrusion measurement.   
 
Figure 2― A simple regular-lattice model used to capture pore structure and its 
effective connectivity at core scale. The tubes represent the pore space, and they 
are interconnected to each other. 
 
2.2.1.3. Sphere packing 
The bundle-of-tubes and regular lattice are fairly simple, yet they fail to represent actual 
porous media. The major drawback of the model is that it is perfectly anisotropic, whereas 
the real porous media is usually isotropic (French 2015). To properly represent porous 
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media, Bryant et al. (1993) proposed a new method to extract a network model from a 
consolidated granular packing. The sphere-packing model consists of packing of 8000 
uniform spheres with known geometry, and assumes that the void-space topology 
between these spheres physically represent a network model. The position of these 
spheres has certain impacts on the geometry of the empty space. To create the network 
model from the void spaces, Bryant et al. (1993) employed Delaunay tessellation (Fig. 
3); from that, an effective permeability can be calculated and compared to the measured 
value.  
 
The success of sphere-packing model in unconsolidated sandstones increased interest in 
using network models to quantify flow properties. Mousavi and Bryant (2007) studied 
the effect of compaction and cementation on tight-gas sandstone based on the results of 
the sphere-packing model. The effect of compaction is simulated by considering grains’ 
penetration. Sphere packing proves its effectiveness to study the structure of intergranular 








Figure 3―Example of Delaunay tessellation cell, or simple packing of uniform 
spheres by Mousavi (2010) (a) A tessellation cell with four spherical grains (b) 
Part of sphere packing inside a smaller pyramid-shaped cell and (c) One face of 
Delaunay tessellation (throat) with inscribed radius shown by “rins”. The grey 





*Courtesy from Mousavi (2010).   
2.2.2. Acyclic pore models 
Although sphere packing proves its effectiveness in modeling conventional reservoirs, 
however, for unconventional formations, the use of this model tends to be inapplicable 
(Mousavi 2010). In fact, the model only works when we observe a wide range of wetting-
phase saturation change corresponding to a small change in relevant capillary pressure 
(Sakhaee-Pour, 2012). Percolation theory holds true for these conventional formations as 
long as there exists a plateau-like behavior in drainage curve when capillary pressure (Pc) 
is plotted against water saturation (Sw) in logarithmic scale (dashed-line in Fig 4b).  
 
The situation in unconventional shale formations, however, is rarely the same (Sakhaee-
Pour, 2012; Jiang et al., 2015). There is no plateau like trend similar to what has been 
observed in conventional formations (Fig 4b). It is necessary to analyze fluid flow in 
shales using a different pore-model. Recently, Sakhaee-Pour (2012) proposed an acyclic 
model, or tree-like model based on drainage behavior of mercury-injection capillary 
pressure. In tree-like model, there is a unique path between any two points in the tree-like 
model (Bethe, 1935) when they are connected (Fig. 4a).  
 
The main feature of the tree-like pore model as it relates to our analysis is that the 
accessibility of wider pore is not restricted by narrower pores; that is, narrower pores are 
accessible from wider throats. This special feature of tree-like model ensures that no 
percolation will occur during mercury intrusion. Any change in wetting-phase saturation, 
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albeit small, will result in an immediate shift in capillary pressure. Additionally, the 
absence of cycles means that mercury can arrive at any pore provided it reaches the 
required capillary pressure. The tree-like pore model, therefore, can capture the drainage 
experiment when the variation of the capillary pressure with wetting-phase saturation 
exhibits a non-plateau-like trend (straight line Fig. 4b). 
 
 
Figure 4―(a) Tree like pore model in which there is a single path between any two 
points in the model (Bethe, 1935) and narrower pores do not limit the accessibility 
of wider pores. The red color represents the narrowest conduit and the white color 
the widest conduit. (b) The tree-like pore model is physically representative of the 
pore space when a non-plateau-like trend is observed in capillary pressure 










2.3. Gas viscosity for a single conduit 
In this section of the study, we determine how gas viscosity inside a single-nano-size tube 
deviates from the nominal value at identical pressures and temperatures. We recall that 
the only component of fluid flow we consider is pure methane. We use the results 
obtained for single tubes to further calculate the effective viscosity of our current pore-
scale model.  
 
 
2.3.1. Rarefaction effect  
We begin our analysis with the definition of the Knudsen number (𝐾𝑛) to characterize 
rarefaction effect. Danish physicist Knudsen (1909) defined the dimensionless number 
𝐾𝑛 as the ratio of the molecular mean-free path to the characteristic length scale, for 
example, the radius of a pore. Knudsen number allows us to determine the flow regime, 
from that, we can predict different transport properties using either statistical mechanics 









where 𝐾𝑛 is the Knudsen number, μ𝑛𝑜𝑚𝑖𝑛𝑎𝑙 is the nominal gas viscosity under unconfined 
conditions (outside of a conduit), 𝜌 is the gas density, 𝐷 is the conduit diameter, 𝑚 is the 




2.3.2. Gas viscosity models 
In the past, researchers have proposed different models to predict gas viscosity inside a 
nano-size tube. We normalize the effective viscosity to its nominal value and present the 
results as a function of the Knudsen number (𝐾𝑛) as follows: 
μ𝑡𝑢𝑏𝑒
μ𝑛𝑜𝑚𝑖𝑛𝑎𝑙
= 𝐶(𝐾𝑛) (2) 
where μ𝑡𝑢𝑏𝑒 is the gas viscosity inside the conduit, μ𝑛𝑜𝑚𝑖𝑛𝑎𝑙 is the nominal viscosity of 
the gas at identical pressures and temperatures outside of the conduit, and 𝐶(𝐾𝑛) is the 
rarefaction coefficient defined for a single conduit. Table 1 lists various models for the 
rarefaction coefficient available in the literature.  
Table 1―Existing models for the rarefaction coefficient, 𝑪(𝑲𝒏), which allows us to 
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The ratio of viscosity is related to the rarefaction coefficient by accounting for different 
parameters which are implemented in the Knudsen number, including the conduit size, 
gas density, and temperature. It is worth mentioning that the provided models were 
derived under the assumption that the considered gas has negligible affinity to the pore 
wall. In other words, these models are applicable to situations where the porous media 
contains inorganic material.  
 
Unconventional reservoirs, however, such as Barnett shale, usually contain organic 
matters, therefore it is important to consider the effect of mineralogy if one studies gas 
transport phenomena in such media (Sakhaee-Pour and Bryant, 2012; Song et al., 2016; 
Wang et al., 2016). With that in mind, we emphasize that even if the effect of mineralogy 
is included in our model, our main conclusion, which focuses on the simultaneous 
modification of viscosity and permeability, does not change.  
 
Next, we shift our focus on the effect of conduit size to the effective viscosity. Results 
from this analysis will further be used to build a physically representative pore model. 
We calculate effective viscosity and normalize to its nominal value based on Eq. 2. 
Different forms of rarefaction coefficients 𝐶(𝐾𝑛) are taken from Table 1. To account for 
different stages during production of a well, we analyze the results at high and low 
pressures that are corresponding to the early life of a well and after substantial gas 
production, respectively.   
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Figure 5― Ratio of the effective gas viscosity to the nominal viscosity inside a single 
conduit at a high pressure (5000 psia), which is more representative of an early 
period of production. The deviation from the nominal value increases with 




Figure 6― Ratio of the effective gas viscosity to the nominal viscosity inside a single 
conduit at a low pressure (500 psia), which is more representative of a later period 
of production. The deviation from the nominal value is significant and increases with 






Dependence of the viscosity ratio on conduit sizes for the listed models is illustrated on 
Fig. 5 and 6 at 500 and 5000 psi, respectively. The ratio increases and tends to get closer 
to unity as conduit size becomes larger. The reason behind this trend is that at larger 
conduit size, or lower Knudsen number (Eq. 1), continuum mechanics governs fluid flow 
behavior, thus the predicted effective viscosity is closed to its nominal value. The ratio of 
the viscosity increases from 0.86 to 0.99 at 5000 psi when the conduit size varies between 
3.6 and 20 nm, which is typical for a shale. We conclude that at early stage in production, 
there is no significant deviation from the unconfined value of gas viscosity, regardless of 
the pore-throat size. More importantly, Fig. 5b further illustrates that the ratio declines to 
0.4 when pressure decreases down to 500 psi at later stage of production. The deviation 
of viscosity from its nominal value is therefore intensified during a later period of 
production. 
 
Another aspect implemented in our pore-scale model is fluid pressure. We turn our 
attention to the dependence of viscosity ratio on the effect of fluid pressure within a single 
conduit. Figs. 7 and 8 exhibit the change in the ratio within 2-nm and 20-nm conduits, 
respectively, when pressure increases from 500 to 5000 psi.   
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Figure 7― Ratio of the effective gas viscosity inside a 2-nm conduit at different 
pressures. The deviation from the nominal values is significant even at relatively 




Figure 8― Ratio of the effective gas viscosity inside a 20-nm conduit at different 
pressures. The deviation from the nominal value remains relatively negligible unless 






Results indicate that the ratio becomes closer to unity at high pressure. This is because of 
the dependency of Knudsen number on the pressure, that mitigates the effect of the small 
conduit size (Eq. 1). Effective viscosity in 20-nm conduit is less close to its nominal value 
compared to the case in 2-nm. For narrower conduit, the deviation of viscosity remains 
significant even at relatively high pressure: for instance, the ratio reduces to 0.5 at 2000 



















Chapter 3: Methodology 
3.1. Pressure driven flow 
Our analysis is derived for a pressure-driven flow system, as opposed to shear-driven 
flow such as Couette flow, simply because it is more relevant to transport in petroleum 
engineering. In genuine Couette flow, one surface moves tangentially relative to the other 
surface. This induces a viscous drag force that acts on the fluid in the space between the 
surfaces, which results in fluid motion. In pressure-driven flow, a pressure gradient is 
introduced to the system, and fluid motion is in the direction of higher pressure to lower 
pressure areas.  
 
We first elaborate the effective permeability calculation for the tree-like pore model 
because it is closely coupled with the effective viscosity in a pressure-driven flow. For 
this reason, we suppose that the fluid flow takes place from a porous medium, which is 
at a higher pressure relative to outside.  
 
 
3.2. Pore-scale model 
In the present study, we use the tree-like pore model to characterize the pore space in 
shale. First, we determine the corresponding permeability of each conduit size to 
characterize flow conductance. For creeping flow of gas through porous media under no-







where 𝑘𝑡𝑢𝑏𝑒 is the permeability of the porous medium that includes conduits with similar 
sizes, 𝐷 is the corresponding conduit size, and ϕ is the porosity of the sample. We do not 
account for the effect of tortuosity in the calculation of permeability within single 
conduits. This is simply because our object is not to analyze the effect of pore-scale model 
to transport properties in details. In other words, tortuosity factor will not change our 
conclusion at the end.  
 
We can also compute the total cross-sectional area of the conduits whose characteristic 
sizes are equal. These conduits are invaded at an equal capillary pressure during drainage. 
The total cross-sectional area is a strong function of the incremental pore volume invaded 
at each capillary pressure, which we can determine as follows: 
𝐴𝑖𝐿𝑖 = 𝑉𝑝𝛥𝑆𝑤𝑖 (4) 
where 𝐴𝑖 is the total cross-sectional area of the conduits invaded at the capillary pressure 
increment 𝑖, 𝐿𝑖 is the corresponding total length of the conduits invaded at the 
corresponding capillary pressure, 𝛥𝑆𝑤𝑖 is the corresponding change in the wetting phase 
saturation at that capillary pressure, and 𝑉𝑝 is the pore volume of the rock.  
 
For simplicity, we take the length of the widest throat to be equal to the length of the 
sample and we assume the ratio of the lengths of the conduits at sequential pressure is a 
constant value. Sakhaee-Pour (2012) first defined this ratio as branching ratio. Values of 
branching ratio in reality are not easy to obtain; in fact, an acyclic model can contain 
different values of branching ratio for different branches. For the current study, variation 
of branching ratio redundantly adds to the complexities of the current pore model, and it 
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does not affect the main conclusion. Therefore, similar to tortuosity, for simplicity, we 
simply assume that the branching ratio is a constant number in our model. 
 
3.3. Effective viscosity of a pore-scale model 
Fig. 9a demonstrates the fluid flow path generated by the tree-like model. The line 
thickness represents the corresponding pore-throat size. Volume fraction and pore-throat 
sizes thickness are obtained from mercury intrusion capillary pressure, which will be 
discussed later. Within the tree-like model, fluid flow takes place from narrower to wider 
pores. The pressure distribution diagram for the flow patterns is simplified in Fig. 9b. 
 
 
Figure 9―(a) Schematic of flow patterns from the porous medium, whose pore 
pressure is higher than the outside pressure. (b) Pressure distribution diagram for 
the flow pattern (Tran and Sakhaee-Pour, 2016). 
 
In pressure-driven flow, fluid displacement takes places from a location with higher 
pressure to a location with lower pressure in each branch (𝑃1 → 𝑃2, 𝑃2 → 𝑃3, and 𝑃3 →
𝑃𝑜𝑢𝑡 as in Fig. 7b). This flow assumption allows us to determine the permeability of each 
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single conduit (Eq. 3). From that, we can also determine the effective permeability of 
each branch. We are also able to determine the effective permeability of each branch 
because the pore model is the combination of conduits that act in parallel and in series. 
The narrowest conduit acts in parallel with a portion of the wider conduit that connects 
identical pressure (𝑃1 and 𝑃2 in Fig. 9b). Their outcome acts in series with the remainder 
of the wider conduit that connects 𝑃2 to 𝑃3. This spatial distribution allows us to derive 
the effective permeability for the two narrowest conduits as follows: 
(𝑘𝑒_𝑝)1→2(𝐴𝑒_𝑝)1→2 = 𝑘1𝐴1 + 𝑘2𝐴2 
(5) 
where (𝑘𝑒_𝑝)1→2 is the effective permeability of the pore-scale model between 𝑃1 and 𝑃2 
containing the two narrowest conduits and (𝐴𝑒_𝑝)1→2 is the corresponding effective area. 
We use subscript 𝑝 when the derived parameter is for media that act in parallel and 𝑠 
when they act in series. 𝑘1 is the corresponding permeability of the smallest pore-throat 
size (Eq. 3) and 𝐴1 is the corresponding total cross-sectional area (Eq. 4). 𝑘1 and 𝐴2 are 
relevant to the second smallest pore-throat size. 
 
The effective medium, whose permeability is calculated in Eq. 5, acts in series with the 
remainder of the wider conduits stretched between 𝑃2 and 𝑃3. Thus, we can determine the 












where 𝐿1→3 is the length of Conduit 2 between 𝑃1 and 𝑃3, 𝐿1→2 is the length of Conduit 
1 between 𝑃1 and 𝑃2, and 𝐿2→3 is the length of Conduit 2 between 𝑃2 and 𝑃3 (𝐿1→3 =
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𝐿1→2 + 𝐿2→3). The pore-throat size of a conduit increases with its number; that is, Conduit 
1 is the narrowest conduit and Conduit 2 is the second narrowest conduit in the acyclic 
model. We denote the effective permeability of the pore-scale model that contains 
Conduits 1 and 2 between 𝑃1 and 𝑃3 by (𝑘𝑒−𝑠)1→3 and its corresponding cross-sectional 
area by (𝐴𝑒−𝑠)1→3. 
 
We repeat this process to find the effective permeability of the pore-scale model. This is 
an iterative process in which the effective permeability of parallel and series 














    𝑗 = 4 to 𝑛 
(8) 
where 𝑛 is the number of pore-throat sizes, which is equal to the number of capillary 
pressure measurements. The number of capillary pressure measurements, which is equal 
to 17 in our study, is usually on the order of 10-100 (Peters, 2012). (𝑘𝑒−𝑝)1→𝑗 is the 
effective permeability of the pore-scale model between 𝑃1 and 𝑃𝑗 and (𝐴𝑒−𝑝)1→𝑗 is the 
corresponding effective area, (𝑘𝑒−𝑠)1→𝑗 is the effective permeability of the pore-scale 
model that contains Conduit 1 and Conduit (𝑗 − 1) between 𝑃1 and 𝑃𝑗 and (𝐴𝑒−𝑠)1→𝑗 is 
the corresponding effective area. 𝐿1→𝑗 is the closest distance between 𝑃1 and 𝑃𝑗, 𝐿1→𝑗−1 
is the closest distance between 𝑃1 and 𝑃𝑗−1, and 𝐿𝑗−1→𝑗 is the closest distance between 
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𝑃𝑗−1 and 𝑃𝑗 in the model. The permeability values calculated here are nominal and 
relevant to no-slip boundary conditions. We find the nominal permeability of the pore-
scale model when 𝑗 becomes equal to 𝑛. 
 
Now, we lump the effect of permeability into effective viscosity calculation. The process 
is technically a weighted average of the gas viscosity between conduits with different 
sizes inside the pore-scale model. Similar to the effective permeability calculation, fluid 
flow takes place from the region with higher pressure to the region with lower pressure. 
The gas viscosity is dependent on the 𝐾𝑛 (Eq. 2), in contrast to the nominal permeability 
calculation. Thus, we can no longer discard the viscosity terms from the mass balance 
equation of the pore-scale model. We did not account for the shale gas compressibility, 
which is different from the value used in conventional reservoirs with large pores. The 
compressibility value depends on the pore size in a shale formation because the pore 
pressure does not change significantly at the pore scale in a single-phase flow. 
Furthermore, this observation also allows to use a constant value of pore pressure across 
different conduits of the pore model  
Considering that the narrowest conduits act in parallel with part of the wider conduit that 













)    
(9) 
where  (μ𝑒−𝑝)1→2 is the effective viscosity of fluid flow inside Conduits 1 and 2, μ𝑡𝑢𝑏𝑒−1 
is the gas viscosity inside Conduit 1, and μ𝑡𝑢𝑏𝑒−2 is the gas viscosity inside Conduit 2. 
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We can express the ratio of the effective viscosity to the nominal value to define the 











    
(10) 
where  (𝐶𝑒−𝑝)1→2 is the effective rarefaction coefficient for the gas phase between 𝑃1 and 
𝑃2 through Conduits 1 and 2, and 𝐶1 and 𝐶2 are the corresponding rarefaction coefficients.  
 
The effective medium acts in series with the remainder of the wider conduits stretched 


















where  (𝐶𝑒−𝑠)1→3 is the effective rarefaction coefficient for gas flow between 𝑃1 and 𝑃3 
through Conduits 1 and 2 whose effective viscosity is represented by (μ𝑒−𝑠)1→3. 
 
The calculation of the effective rarefaction coefficient of the pore-scale model is an 
iterative process similar to the effective permeability calculation. We repeat the 
calculation of the effective rarefaction coefficients of the media that act in series and in 




























)                                                                 𝑗 = 4 to 𝑛  
(13) 
where (𝐶𝑒−𝑝)1→𝑗 and 
(𝐶𝑒−𝑠)1→𝑗 are the effective rarefaction of the media when they act 
in parallel and in series, respectively, and 𝑛 is the number of conduit sizes used. The 
effective rarefaction of the pore-scale model is equal to (𝐶𝑒−𝑠)1→𝑗 when 𝑗 becomes equal 
to the number of pore-throat sizes (𝑛). 
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Chapter 4: Results and Discussion 
4.1. Mercury injection capillary pressure 
In this section, we characterize the pore-space of a shale at the core scale based on 
drainage result from mercury intrusion test. Drainage test is representative of the 
connected pore-throat size at the core scale. An alternative approach to directly capture 
the pore-space system is to analyze high-resolution images and then extract the pore 
model. However, it is not possible yet to obtain a pore model that can be representative 
of the core scales from such images alone. Furthermore, such approach does not account 
for the effect of confinement. In other words, the pore-space system obtained from the 
high-resolution images is not representative of the in-situ conditions. Some opened 




Figure 10―(a) Capillary pressure measurements (Dewers et al., 2012) of a shale sample that 
is used for effective viscosity calculation. Drainage behavior exhibits a non-plateau-like trend, 
which indicates that the tree-like model can be used to capture the connectivity of the pore 
structure at the core scale (Sakhaee-Pour and Bryant, 2015). (b) Pore-throat size distribution 
of the sample derived from the 
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Fig. 10a and b illustrate the drainage test from a shale sample and its pore-throat size 
distribution under confinement, respectively. During drainage test, volume fraction of 
mercury (𝑆𝐻𝑔), which is a non-wetting phase, increases at higher capillary pressure. From 
that, the wetting phase fraction, which is usually water (𝑆𝑤), can be deducted as 𝑆𝑤 =
1 − 𝑆𝐻𝑔, during the test. Fig. 8a further shows that the intrusion actually occurs when 
capillary pressure increases up to 15,000 psi. More important, the shale exhibit a non-
plateau-like trend in capillary pressure increment. That is, the capillary increases linearly 
with decreasing non-wetting phase saturation. Sakhaee-Pour and Bryant (2015) proved 
that when such non-plateau-like increase occurs during mercury intrusion in a shale, the 
tree-like pore model can be used to depict the connectivity of pore-space inside the porous 
medium.  
 
Drainage test conducted on the shale core plug allows us to derive its pore-throat size 
distribution for our study (Fig 10b). The pore-throat sizes distribution is representative of 
the effective connectivity at the core scale because it accounts for the effect of 
confinement on the pore-space. The measurements were conducted under confined 
boundary conditions, which close microfractures, at least partially. 
 
As showed previously from Fig. 5 and 6, the deviation of effective gas viscosity from its 
nominal value becomes important when conduit size decreases. In our study, the largest 
pore-throat size is on the order of 15 nm (Fig. 10b), which implies that the void space 
corresponds to the matrix of a formation. The average pore-throat size increases when 
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there are open micro fractures. Hence, our analysis is relevant to the condition where the 




Now, we calculate the effective gas viscosity of the shale sample from our proposed tree-
like pore model. The methodology has been described in details in Chapter 3, section 3.2 
and 3.3. The effective gas viscosity is dependent on several factors. First, we analyze the 
effect of branching ratio on the effective gas viscosity at high and low pressure. It is worth 
emphasizing that for simplicity, we assume that branching ratio is a constant throughout 
the entire pore-model. We present the results using the two models from Veijola and 
Turowski (2001) and Bahukudumbi et al. (2003) that cap the upper and lower bounds 
based on our analysis for the gas viscosity of single conduit, respectively. Fig. 11 shows 




Figure 11― Effect of the branching ratio on the ratio of the effective viscosity to the 
nominal viscosity is negligible. We use only the two models that provide upper and 
lower bounds for the effective viscosity (Tran and Sakhaee-Pour, 2012).  
 
 
Effective viscosity ratio turns out to be independent on the branching ratio. We recall that 
branching ratio represents the length ratio of conduits of the model at sequential pressures. 
Although the branching ratio has significant impact on the topology of the pore-scale 
model, results from Fig. 9 indicates that it has negligible influence on the effective gas 
viscosity. 
 
Next, we analyze the dependency of the effective viscosity on the pore pressure. Because 
the effect of branching ratio on effective viscosity is negligible (Fig. 11), we only select 
two branching ratios to demonstrate the change in effective gas viscosity as a function of 
pore pressures (Fig. 12).  
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Figure 12― Ratio of the effective viscosity to the nominal viscosity as a function of 
pore pressures with two branching ratios for the two models that provide the upper 
and lower bounds for the effective viscosity (Tran and Sakhaee-Pour, 2012).   
 
 
For a typical pore-throat size relevant to a shale formation (Fig. 10b), the Knudsen 
number (𝐾𝑛) is on the order of 0.15 - 0.64 when the pore pressure is 500 psi, and it varies 
between 0.02 and 0.08 when the pressure becomes equal to 5000 psi. The ratio of the 
effective viscosity to the nominal viscosity remains larger than or equal to 0.9 when the 
pore pressure is larger than or equal to 2000 psi. The ratio decreases with decreasing pore 
pressure but remains larger than 0.75 when the pore pressure varies between 2000 and 
500 psi. Thus, the difference between the effective viscosity and the nominal viscosity is 
negligible at an early period of production. The deviation from the nominal value is 
relatively important only at a late period of production because of the increase in the 𝐾𝑛, 
mainly due to a decline in density.  
 
Another important observation from Fig. 12 is that the smallest ratio is close to 0.73 based 
on the acyclic pore model. From Fig. 6a and b, it can be seen that this ratio lays between 
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the smallest ratio corresponding to a 20-nm conduit (0.78) and a 2-nm conduit (0.28). 
Although the effective viscosity takes connectivity of different pore-sizes into account, 
the current result implies that the effective viscosity is primarily controlled by wider 
conduits. Therefore, we propose that there exists an effective pore-throat size that 
dominates the effective viscosity. Fig. 13 demonstrates our calculation of the 
characteristic pore-throat size.  
 
 
Figure 13― Effective pore-throat size, whose corresponding effective viscosity is 
equal to the effective viscosity of the pore-scale model, is almost equal to the largest 
pore-throat size included in the tree-like pore model. The branching ratio is set 
equal to 2 here for the effective pore-throat size calculation because it plays a 
negligible role (Tran and Sakhaee-Pour, 2012).   
 
 
Similarly, we only select the two models that result in the upper and lower bounds for the 
effective viscosity, Bahukudumbi et al. (2003) and Veijola and Turowski (2001), 
respectively. Additionally, an arbitrary value of branching ratio is set equal to 2 for the 
purpose of demonstration only because it has no impact on the prediction of effective gas 
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viscosity, as illustrated in previous sections. From Fig. 11, we can see that the effective 
pore-throat size is closer to the largest pore-throat size reported based on drainage result 
(Fig. 10b). More importantly, the ratio is independent of the pore pressure.  
 
To explain the result, we consider the topology of the current pore-scale model. We recall 
that in tree-like model, the largest conduit acts in series with the remainder of the pore 
system. When pore pressure is applied to the pore-scale model, the largest pore-size will 
possess the smallest value of Knudsen number (𝐾𝑛). Which, in turn, implies that widest 
conduit will also has the largest effective gas viscosity, or the effective gas viscosity ratio. 
The largest viscosity results in a higher resistance against the flow that is important at the 
pore-scale because it acts in series with remainder of the pore space. This does not 
necessarily mean that the effective transport properties of the wider pores are inferior in 
a nanofluidic system because we only analyze the effective viscosity and not the overall 
transport.  
 
4.3. Validation of the current network modeling approach 
In the section of the chapter, we will look at the validation of the current modeling 
approach. The network modeling approach used in this study has been tested against 
different lab measurements. First, Sakhaee-Pour and Bryant (2012) used the network 
modeling approach to predict gas permeability for different pore pressures. They 
accounted for the combined effects of an adsorbed layer and slippage on the flow 
conductance of a single conduit. They then related the results to the transport properties 
36 
of a core plug by taking into account the interactions among the pores. They tested the 
results against lab measurements. 
 
Sakhaee-Pour and Bryant (2015) subsequently used the network modeling approach to 
capture the no-slip permeability of a shale formation based on mercury intrusion capillary 
pressures, which allowed them to develop the acyclic pore model. The predicted results 
were compared with reported no-slip permeability. More recently, Sakhaee-Pour and Li 
(2016) showed that not only the acyclic pore model can capture the capillary pressures 
measurements of a shale but also can characterize its fractal properties relevant to pore-
throat and pore-body sizes.  
 
4.4. Discussion 
The dependency of the viscosity of the conduit size is an intrinsic characteristic of a 
nanofluidic system, which is relevant to shales because their pore-throat sizes are usually 
smaller than 20 nm. The dependency becomes insignificant in more permeable 
formations because of their wider pores. There are different sizes associated with each 
pore, such as pore-throat size and pore-body size. The pore-throat size is more relevant 
to the flow resistance between neighboring pores, as opposed to the pore-body size; 
hence, we used the pore-throat size obtained from drainage in our study.  
 
The gas viscosity is predicted based on Knudsen number (𝐾𝑛), which is proportional to 
the inverse of the characteristic size (Eq. 1). The viscosity deviation from the nominal 
value becomes more significant when this dimensionless number increases. Thus, using 
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pore-throat size, which is the narrowest region of a pore for a given pressure and 
temperature, allowed us to determine the effect of viscosity change when its deviation 
from the nominal value is maximum. Based on our analysis, the effect of such deviation 
on the effective transport properties at the core scale is negligible. The deviation from the 
effective core-scale properties is even less significant if we use other characteristic sizes 
of a pore.  
 
To determine the effective viscosity, we presented the results with respect to the nominal 
permeability. We did not account for the shale gas compressibility, which is different 
from the value used in conventional reservoirs with large pores. The compressibility value 
depends on the pore size in a shale formation because the pore pressure does not change 
significantly at the core scale in a single-phase flow. The determined viscosity remains 
an effective transport property, similar to the permeability, if it is based on the 
interpretation of lab measurements with nominal values. The interpretation of lab 
measurements for effective viscosity was the main objective of our study, which was a 
thought experiment.  
 
4.4.1. Practical implication 
The gas viscosity inside a nano-size conduit is lower than the nominal value. The lower 
viscosity enhances the flow rate, whose effect is similar to that of gas slippage. We were 
able to differentiate the viscosity effect because the viscosity models in the literature are 
reported for a shear- driven flow, as opposed to a pressure drive flow. It is impossible to 
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distinguish the viscosity and the slippage effects based on pressure driven measurements 
based on the nature of Hagen-Poiseuille or Darcy’s equation. 
 
Thus, the permeability values reported based on lab measurements also embrace the 
viscosity effect and should be considered effective transport properties, rather than 
permeability values, when we use nominal values for viscosity and density. The practical 
implications of this are that we should not implement viscosity and permeability values 
separately in reservoir models if the permeability value is based on lab measurements 
with nominal parameters.  
4.4.2. Limitations 
Although the present work discusses the fundamental transport properties of shale, there 
are certain drawbacks that we should consider. First, the model only analyzes flow of 
single-phase fluid. More importantly, the single-phase fluid is assumed to be pure 
methane. While these assumptions simplify the process, it is not realistic to have any 
porous media consisting of a pure gas. Furthermore, different gases have different 
interactions with the pore wall. Consequently, this leads to a change of Kn within a single 
conduit, thus affecting the whole pore-scale model as a whole.   
 
The provided models to calculate effective viscosity are based on the assumption that the 
gas has a minimum affinity to the pore wall. Therefore, the study is limited to the case of 
inorganic material.  
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Mechanics of fluid flow follows the study of nanofluidics in the current study. Therefore, 
models based on continuum mechanics, such as Hagen-Poiseuille or Darcy’s equation, is 
invalid. However, when effective viscosity is analyzed for many nano-size conduits 
within the acyclic model, we still utilize the conventional mass balance equation to derive 
the results.  
  
4.4.3. Future work 
In order to build a more realistic pore-model, we can introduce different components into 
the fluid flow system. Furthermore, we can consider the case when gas flow takes place 
inside an inorganic material. When gas flow takes place inside an organic material, 




Nanofluidics, which analyzes fluid transport through sub 100-nm conduits, recently 
gained significant interest in petroleum engineering, as the characteristic pore-throat size 
of shale formation is usually smaller than 20 nm. The effect of gas rarefaction takes place 
in nano-size conduits as the gas mean-free path is on the same order of magnitude with 
the characteristic length of the conduits. This results in a deviation of the basic transport 




With this in mind, we first determined the ratio of the effective viscosity to the nominal 
viscosity inside a circular conduit for methane (CH4) using different models. In general, 
the viscosity ratio is expressed in terms of Knudsen number (𝐾𝑛). Our study for a single 
conduit shows the effective viscosity remains close to the nominal value at high pressure 
(~5000 psi), regardless of the pore-throat size. At low pressure (~500 psi), the ratio of the 
effective viscosity to the nominal value decreases to 0.2 – 0.7, based on different models.  
 
We then adopted the tree-like pore model to account for the effective connectivity of the 
pore space at the core scale. The tree-like pore model interconnects the conduits in a 
manner similar to a tree’s branches. The most important features of the pore-scale model 
are that there is a single path between any two points in the pore-scale model and narrower 
pores are accessible only from a wider pore. More importantly, the model is able to 
capture the non-plauteau-like behavior of capillary pressure measurements obtained from 
mercury intrusion in shale. Therefore, it successfully accounts for the effective 
connectivity of the pore space of shale at the core scale. 
 
Our pore-scale model reveals that the effective viscosity of the pore-scale model is close 
to the corresponding value of the largest pore-throat size based on pore-throat size 
distribution. The deviation of the effective pore-throat size is negligible over a wide range 
of pore pressure. This is mainly because of the topology of the tree-like pore model, where 
the widest pore acts in series with the remainder of the pore space, and plays a crucial 
role in controlling the transport properties.  
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The gas viscosity inside a nano-size conduit is smaller than the nominal value, which 
improves the flow rate in a manner similar to gas slippage. We were able to differentiate 
these effects because the viscosity models were based on shear-driven flow while the 
slippage is often account for in pressure-driven flow. It seems impossible to differentiate 
the effects of viscosity and slippage if we only analyze the pressure-driven flow, which 
is used for permeability measurements.  
 
Thus, the reported permeability in a pressure-driven flow has to be considered an effective 
transport property if nominal viscosity and density are used for interpretation. In other 
words, we have to modify viscosity and permeability simultaneously in our reservoir 
model for shale formations. This study has major implications for reservoir 
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